This paper presents theoretical and practical aspects of methods used to determine formation permeability, fracture length, and fracture conductivity in low-permeability, hydraulically fractured gas reservoirs. Methods examined include Horner analysis, linear flow analysis, type curves, and finitedifference reservoir simulators.
Introduction
The purpose of this paper is to summarize the theoretical background of methods that we have attempted to use to determine formation permeability, fracture length, and fracture conductivity in low-permeability, hydraulically fractured gas reservoirs. This summary is intended to emphasize the major strengths and weaknesses of the methods studied. These characteristics have not always been emphasized in the original literature and, in some cases, have remained obscure to the practicing engineer. The paper also includes examples from 13 wells in which post fracture-treatment pressure buildup surveys have been analyzed in detail.
Test analysis methods discussed in the paper include (1) a method applicable only after a pseudoradial flow pattern is developed in the reservoir, (2) a method applicable when linear flow dominates in the reservoir, (3) published type curves, with emphasis on those that include finiteconductivity fractures, (4) a modification of linearflow techniques useful for finite-conductivity fractures, and (5) use of finite-difference reservoir simulators in a history-matching mode. In an infinite-acting (unbounded) reservoir, the analysis technique is based on the use of skin factor, s, which can be calculated from s = 1 In principle, we can plot buildup test data on a conventional Horner graph, determine the slope m, and thus estimate formation permeability (k = 162.6 qgBg"al1a1mh) and determine fracture half-length, L j , from Eq. 3 (see Fig. 1 ). In practice, there are tliree serious problems with this method:
Pseudo radial Flow
°To improve clarity, equations in the text of this paper are written in terms of pressure. For more accurate analysis, equations written in terms of pseudopressure and pseudotime, summarized in the Appendix, are recom· mended. 1. The time required to reach the required straight line where the slope is related to formation permeability can be impractically long (months or years) in low-permeability gas reservoirs with long fractures, as demonstrated by Gringarten et af. 2 and Cinco et af. 3 2. Implicit in the method is the assumption of infinite fracture conductivity, which is not always valid. 4 3. By the time the pressure transient has moved beyond the region of the reservoir influenced by the fractures, effects of the reservoir boundary already may have become important, preventing development of the proper slope, m.
Russell and Truitt developed a technique for overcoming Limitation 3. While we have not found their proposal to be of direct value in dealing with low-permeability gas reservoirs, we have found that a related technique offers promise for estimating fracture length and formation permeability from limited-duration buildup test data. This technique involves a trial-and-error process of (1) determining the maximum slope on a Horner plot; (2) estimating an apparent formation permeability from this slope; (3) calculating the ratio of true-to-apparent permeability, ktlka' from a theoretically derived correlation that requires knowledge of fracture length; (4) estimating fracture length using a squareroot-of-time graph; and (5) iterating to convergence. Applicability of this method to finite-conductivity fractures has been demonstrated by Holditch et af. 5 In summary, the major limitation of the standard Russell and Truitt method (Eq. 3) is that it is rarely applicable to low-permeability, fractured gas reservoirs because of the long times required to establish the straight line where the slope is related to the formation permeability. (6) When these equations adequately model reservoir behavior, a plot of BHP vs. a square-root-of-time function will result in a straight line with slope m' , related to fracture half-length and formation permeability: The assumptions on which Eq. 7 is based limit its applicability in many cases. These limiting assumptions include the following.
Linear Flow
1. High (but not infinite) fracture conductivity so that fluid entry into the fracture is the same per unit cross-sectional area near the well bore and near the tip of the fracture (uniform flux 2 ). In many cases, fracture conductivity is simply not this large.
2. An independent estimate of formation permeability, k, must be available if we wish to estimate L f . In principle, this is possible using a prefracture pressure buildup test; in practice, such a test may be unavailable, may complicate the testing program, or may be virtually impossible to obtain because of operational problems in unfractured, low- permeability gas wells.
3. Application of the method to earliest-time data, which may be dominated by linear flow, requires absence of well bore storage distortion. Unfortunately, well bore storage can distort data for a significant time period in some low-permeability fractured gas wells.
Type Curves
Several type curves 2 ,3,7,8 have potential application to analysis of transient tests in low-permeability, fractured gas reservoirs. Particularly important are Cinco et al. 's3 curves for finite-conductivity fractures, constant-rate case (Fig. 3) and Agarwal et al.' s8 curves for finite-conductivity fractures, constant-bottomhole-pressure case. (Fig. 4 shows a similar curve we have generated for use in our research work.) Even these curves, however, are based on assumptions that are sometimes limiting, such as negligible well bore storage distortion and infinite-acting reservoirs. To include these variables and finite-conductivity on a single type curve probably would be impractically complex, yet these effects can be important and can be misinterpreted.
In principle, if we place data in the position of best fit on the Cinco et al. or Agarwal et al. type curves, we can determine simultaneously (and uniquely) reservoir permeability, k, fracture half-length, L r , and fracture conductivity, wk j . Unfo~tunately, the position of best fit is not always ObVlOUS; thIS can lead to a multiplici~ of possible formation and fracture descriptions. As Agarwal et al. 8 point out, the uniqueness problem is diminished considerably if we know formation permeability independently (from a prefracture buildup test, for example) but, as we noted earlier, a prefracture buildup may be most difficult to run or it may be too late when we recognize the need for the information.
Another 
Modified Millheim-Cichowicz Method
We have found a modification of the square-root-oftime plot, as suggested by Millheim and Cichowicz, 6 to be helpful in estimating fracture properties; we call this technique the modified M-C method. The method is based on a plot of dimensionless pressure vs. the square root of dimensionless time for finiteconductivity vertical fractures. Ytis nonlinear at earliest times. There is a later lInear portion; however, the intercept is far from zero. We have found that the intercept is related uniquely to dimensionless fracture conductivity. Fig. 5 illustrates the character of this type of plot. This figure is simply a plot of the data published by Cinco et al. 5 For -.It;; > 0.34 the flow pattern is phasing into pseudo radial. Notice also that there is a family of "straight lines" with different slopes and intercepts, the values of which depend on dimensionless fracture conductivity. The dashed lines in Fig. 5 are extrapolations of the lines in the linear region. Fig. 6 presents these same straight lines, and it also shows the solution proposed by Millheim and Cichowicz 6 that was derived by assuming constant flux into the fracture. Note that only the uniform-flux solution has exactly zero intercept and that the slopes of the curves for fixed values of C, (shown in Fig. 6 ) vary from case to case and also differ from the slope of the uniform-flux line. Because we take this variable slope into account, our intercepts differ from those presented by Agarwal et at. 8 The modified M-C method proposed in this paper uses the solutions derived for finite-conductivity fractures and, therefore, should be more applicable to field data than the original M-C method (uniformflux solution). However, an important point concerning the two methods is that at very early times (-.It;; < 0.1) the constant-flux solution and the infinite-conductivity solution are essentially identical, as Fig. 7 illustrates. Therefore, the standard M-C technique should be accurate at early times when C, is greater than 100.
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To use the modified M-C method, an independent estimate of formation permeability, k, is required. Given this value of k, we then plot drawdown test data as PD vs. Vt (or, for a build!!Q test, PD = kh (P ws -Pwf) /141.2 qgBgal-ta vs. Yilt, find the linear portion of the graph, extrapolate to -.It;; = 0, and record the value of the intercept. The intercept fixes C" which characterizes the intercept on the generalized graph (Fig. 6 ). Using the value of the intercept and the slopes in Fig. 6 , we can establish a match point by noting values of -.It;; (Fig. 6) and Vt from the linear portion of the actual test data plot for some selected value of PD. Fracture length is then given by
¢Jl-taCta tD match point
In our experience, this method has proved to be the most accurate hand method for estimating fracture properties. The major limitation is the need for an independent permeability estimate.
The problem of wellbore storage distortion also remains for this method. However, we have found that, in most cases, well bore storage effects will diminish before reaching the desired linear portion of the square-root-of-time graph. Therefore, in wells with long fractures that are shut in for a sufficient time, the modified M-C method can be used to obtain a good estimate of both fracture length and fracture conductivity.
Simulator History Matching
In our experience, simulator history matching using the model reported by Holditch and Morse 4 has proved to be the most general method for deter- mining formation and fracture properties simultaneously. Uniqueness problems common to simulator history matching are minimized when we try to match not only the data from a given test, but all test data obtained on the well and the long-term production history of the well. We assume that the only unknowns are k, L j' and wk j' If other rock and fluid properties are unknown, the solution can become nonunique.
Simulator history matching is an excellent technique for handling simultaneous effects of well bore storage, reservoir boundaries, and finite fracture conductivity. It also offers the prospect of taking into account possible effects of fracture and reservoir heterogeneity, although the chances of obtaining a unique reservoir description diminish when heterogeneities become important.
To illustrate this concept, consider the data presented in Tables 1 and 2 . The data in Table 1 were held constant for each computer run. All these data can be measured easily or can be estimated using logs, cores, laboratory analysis, etc. The data in Table 2 represent four computer runs with different combinations of fracture length, fracture conductivity, and formation permeability. Each combination of parameters in Table 2 resulted in a flowing BHP after 55 days of 1,990 ± 10 psi. curves for these four cases. Notice that the four cases, which had identical production characteristics, have completely different buildup characteristics. If one analyzes the data in Fig. 8 , it becomes apparent that (1) the early-time slope of a fractured well is dominated by fracture conductivity, (2) the late-time slope is controlled by formation permeability, and (3) the fracture length influences the path of the buildup curve between the two end points, P wf and jJ.
Cinco et al. 3 presented a graph of stabilized flux distribution along a vertical fracture for various fracture conductivities (Fig. 6 in Cinco et al. 's paper). This graph shows that, as dimensionless fracture conductivity and fracture length are changed, flow geometry in the reservoir also changes. In radial flow cases, the effects of skin, permeability, etc. will not change the flow geometry, only the pressure distribution. The difference between the flow geometries of the two cases does affect the uniqueness of the history match.
Our experience has led us to the conclusion that one cannot history match a long-term pressure buildup survey from a fractured gas well unless the correct fracture length is input into the model. Referring to Cases 2 and 3 in Fig. 8 , buildup data to a Horner time of approximately 10 should be measured to differentiate accurately between the 250-and the 1,000-ft fracture. For this example, a 6-day buildup Tables 1 and 2 . would be required. For most cases, a 14-day buildup will provide sufficient data to obtain a unique match. By assuming that the finite-difference history match provides the correct answers, it is possible to compare the results from the various hand calculation methods and to compare the calculated fracture length with the design fracture length. The remainder of this paper presents a comparison of these different methods using field data that have been analyzed during the past 2 years.
Analysis of Field Data
The data from 13 low-permeability, hydraulically fractured gas wells have been included in this paper. The pertinent reservoir properties for these examples are presented in Table 3 . The data in Table 3 were obtained from log analyses, core analyses, and static pressure surveys. The fracture gradients were calculated from the fracture treatment data.
The first six wells were completed in massive, hightemperature, carbonate reservoirs in three different areas of Texas. The seven sandstone examples are from Texas, Louisiana, and Canada.
In the analyses of these wells, the properties listed in Table 3 were held constant. No sensitivity studies were performed to determine the effects of changing the basic formation characteristics. We recognize that if the data in Table 3 were varied, the calculated results also would be altered. However, our experience indicates that the basic well evaluation would not be altered significantly by minor changes in reservoir data. Table 4 is a summary of the fracture treatment design data for the 13 wells. Included in these data are estimates of created fracture height and propped fracture length. The values of created fracture height were estimated using the open-hole logs and, when available, post fracture production logs. The design fracture lengths were calculated using the estimated fracture height and the actual treatment data.
Those experienced in fracture treatment design calculations recognize that the estimate of created fracture height is as much art as science. Therefore, considerable care was exercised in selecting the values presented in Table 4 . We have treated each well consistently, and the design lengths are our best estimates for each well.
For 12 of the example wells, post fracture pressure buildup test data were analyzed. Well 6 was the only well for which pressure buildup test data were not available. This well was evaluated by history matching the post fracture production data.
The pressure buildup data were analyzed using the methods of Russell and Truitt,l Gringarten et aI., 2 Cinco et al., 3 the modified M-C method, and finitedifference computer history matching.
The results of these calculations are presented in Table 5 . To calculate the fracture length using the modified M-C technique, the permeability from the history match of each well was used to calculate the dimensionless pressures. As discussed earlier, the results from the finitedifference history match are considered to be the best estimates of the in-situ reservoir and fracture parameters. Therefore, the results for each calculation in Table 5 were compared with the results from the history match.
It can be noted in Table 5 that only a few of the wells were evaluated using type curves. The problem, also reported by others,9 was our inability to obtain a unique match for these wells.
Despite our lack of success in quantitative application of type curves to these wells, we still recommend a log-log graph of test data for every well. We have found these graphs to be very useful in our initial, qualitative evaluations. The shape of the log-log graph helps determine if well bore storage and/or fractures are dominating the buildup test data. Further, we have found that the use of effective time 10 and pseudotime 13 significantly diminishes the uniqueness problem.
Formation Permeability
To optimize the economic development of a field, it is vital that in-situ gas permeabilityll be known accurately. When formation gas permeability is known, in addition to gas porosity and net gas pay, the optimum fracture length and well spacing can be calculated. Prefracture pressure buildup tests can and should be run; however, we have found that the permeabilities determined from these tests are sometimes misleading. Problems such as low initial producing rates, well bore storage, formation damage, and natural fractures tend to complicate the analysis of prefracture buildup tests in lowpermeability reservoirs. Also, many of these reservoirs are highly stratified; therefore, estimation of net pay in communication with the perforations is difficult to determine. Also, in most cases, the radius of investigation of a pre fracture buildup test is quite small and permeability estimated from the test may not be representative of the entire drainage area of the well. Despite their limitations, however, prefracture tests are of considerable value. If a zone is broken down before running the buildup test, it is probable that acceptable values of in-situ formation permeability will be obtained. Knowledge of formation To analyze the calculated permeabilities reported in Table 5 , the results from the Russell and Truitt method were compared with the results from the history match. The data were correlated using the dimensionless maximum shut-in time for each well. 
TABLES -SUMMARY OF BUILDUP TEST ANALYSIS RESULTS
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The correlation is presented in Fig. 9 ; theoretical verification has been provided by further research. 5 The Russell and Truitt method is based on observing the maximum slope on a Horner graph of the buildup data. However, as pointed out by Cinco et al., 3 a dimensionless shut-in time ranging from 2 to 5 is required to reach the semilog straight line. Therefore, the correlation in Fig. 9 is required to estimate permeability for shorter tests.
The correlation in Fig. 9 contains several important implications. If a well intercepts a short fracture, has a high formation permeability, or is shut in for a very long period, a Horner analysis of the buildup test data should provide an adequate estimate of formation permeability. On the other hand, for low-permeability wells with long hydraulic fractures, the permeability calculated from a Horner graph can be too optimistic by an order of magnitude, especially if only 3 to 7 days of buildup data are obtained. Even if a well is shut in long enough to eliminate the linear flow period (i.e., tD == 0.125), the permeability calculated using a HornJf graph can be high by a factor of two. Table 6 presents a comparison of fracture lengths calculated using the different analysis methods. All calculated lengths have been normalized with respect to the design length. Two averages have been presented for each technique. Average 1 includes the ratios for every well. Average 2 was prepared by eliminating the values for Wells 1, 3, and 5. These three wells obviously contained short fractures, probably caused by poor sand transport; they are discussed in more detail later. Therefore, Average 2 is believed to be more representative of a typical treatment.
Fracture Length
The fracture lengths calculated using the Russell and Truitt method averaged only 5% to 11070 of the designed fracture lengths. The history-match fracture lengths averaged about 68% of the designed lengths. The fracture lengths calculated using the modified M-C technique averaged about 79% of the design lengths. It must be remembered, however, that the fracture lengths calculated using the modified M-C method are based on the formation permeability as determined from the history match.
An analysis of the data in Table 6 leads to several important observations. If one assumes that the history match is correct, the average treatment only achieves about 70% of the design length. This observation implies that (1) the actual fracture is wider -and shorter than predicted by the conventional design equations, (2) sand transport in the fracture is not as efficient as expected, (3) fluid loss in the fracture is larger than predicted using conventional techniques, (4) the barriers that control fracture height are routinely underestimated, or (5) there is some other, less obvious, reason. The important point is that for the examples in this paper, only 70% of the design length was achieved during the fracture treatment.
Three of the examples, Wells 1, 3, and 5, apparently do not contain long hydraulic fractures. In Tables 1 and 2 , it can be seen that all three wells were completed in deep, massive, high-temperature limestone reservoirs. For these three wells, detailed analyses of the fracture treatment data indicated that two problems existed. First, good barriers to fracture growth were not obvious from the logs and second, the gel concentrations were low, which may have allowed the sand to settle below the gas pay during the treatment.
On the basis of these observations and similar observations by various operators in these same areas, recent treatments have used higher gel concentrations, smaller-mesh propp ants , and densitycontrolled treatments. 12 It was apparent from the analysis of Wells 1, 3, and 5 that long fractures were being created, and large volumes of proppant were being pumped; but the fracture opposite the pay zone was not being propped. The emphasis on sand transport that resulted from the analyses of these three wells has helped to define a problem and, it is hoped, future wells in such reservoirs can be stimulated more effectively. Example 1 -Short }'racture To illustrate the analysis of the field data, three of the wells have been selected for further discussion. Well 5 in Table 3 represents the case in which the correct reservoir and fracture parameters can be calculated using any analysis technique.
The buildup data for Well 5 are presented in Table  7 . Figs. 10, 11 , and 12 illustrate the type-curve, Horner, and square-root-of-time graphs for these data. The type-curve graph indicates the half slope that is expected from a fractured reservoir. In Table  5 , it can be seen that use of the log-log graph resulted in calculated fracture lengths and formation permeabilities that correspond quite closely to the results from the history match. The Horner graph (Fig. 11) indicates that the correct straight line has been reached. The last few data points can be extrapolated to the correct static reservoir pressure. The squareroot-of-time graph for Well 5 (Fig. 12) is typical of a well that contains a short, highly conductive fracture. The data form a straight line that can be extrapolated to a dimensionless pressure of approximately zero.
Each analysis technique applied to this case led to consistent results. Using the history-match values of 0.05 md, a 2oo-ft fracture, and 4,000 minutes of shut-in time, the dimensionless shut-in time was calculated to be about 2.6. Therefore, the reliability of the Russell and Truitt analysis is confirmed for this well.
In Table 4 , it can be seen that the fracture treatment for Well 5 was designed for 110 ft of created fracture height. The actual treatment consisted of 320,000 gal of a 60-lbm gel carrying 410,000 Ibm of propping agent. This size treatment should have resulted in a propped fracture of 1,500 ft. It becomes obvious that (1) the created fracture height was probably much greater than the 110 ft used in the design calculations, and/or (2) the 60-lbm gel in the 325°F reservoir did not maintain enough viscosity to transport the propp ant as required. These conclusions concerning Well 5 were used to improve the fracture treatment designs in this area. Recent treatments by several operators have used substantially more gel and smaller-mesh proppants to improve the sand transport capabilities ofthe fluid.
Example 2 -Long Fracture Well 12 represents a case where the full suite of analysis techniques was used for a well completed in a low-permeability reservoir containing a long fracture. The buildup data are presented in Table 8 and in Figs. 13, 14 , and 15. The data in Fig. 13 indicate that well bore storage dominated the buildup test for the first 10 hours. After about 10 hours, the half slope is seen on the log-log graph. The match of these data resulted in estimates of 0.045 md and a 45-ft fracture using the Gringarten et af. type curve and 0.052 md and a 150-ft fracture using Cinco et af.'s type curve.
The Russell and Truitt analysis, using the maximum slope in Fig. 14, resulted in a permeability estimate of 0.012 md and a fracture length of about 100 ft. Notice that the slope of the buildup curve still has to increase considerably to reach 2,200 psi at a Horner time of 1.0.
The results from the history-match computer run also are presented in Fig. 14. This match is considered excellent because the data between 72 and 1,750 hours are matched almost perfectly. The earlytime data do not provide a perfect match, probably because of small variations in fracture conductivity and well bore storage that were not modeled precisely. be used for this well, even with 73 days of pressure buildup data.
Example 3 -Low Dimensionless Conductivity
In the field data we have analyzed during the past few years, fracture conductivity normally has not been a problem. In reservoirs with permeabilities of 0.001 to 0.05 md and with fracture lengths of 500 to 1,500 ft, crushed sand usually will provide sufficient conductivity to drain a reservoir adequately. In some cases, however, crushing and/or embedment can present problems. Well 10 is a well with a low dimensionless conductivity. The pressure buildup data for Well 10 are presented in Table 9 and in Figs. 16,17, and 18.
Well 10 was perforated, acidized, and produced at a rate of 100 McflD at 600 psi flowing tubing pressure. A prefracture buildup survey indicated that the in-situ permeability was about 0.02 md with a small negative skin. After the fracture treatment, the well produced about 1,300 McflD at 2,200 psi flowing tubing pressure. This response is a definite indication that the fracture treatment successfully stimulated the formation. The log-log graph of the postfracture pressure buildup data (Fig. 16) indicates qualitatively both the influence of well bore storage and a low dimensionless conductivity. The Horner graph (Fig. 17) indicates a radial flow pattern in the reservoir. Well 10 was successfully history matched using a permeability of 0.04 md, a 600-ft fracture, and a dimensionless fracture conductivity of 0.63. The fracture conductivity of 40 md-ft was the effective value determined from the history match. Non-Darcy flow is modeled in the simulator, so the effective conductivity was a combination of fracture closure and non-Darcy flow. The results from the history match also have been included in Fig. 17 . Fig. 18 presents the modified M-C graph using a permeability of 0.04 md to calculate the dimensionless pressures. This graph again illustrates the effect of well bore storage on the square-root-of-time graph. The slope and intercept of the "straight line" chosen on this graph results in a calculated fracture length of 615 ft and a fracture conductivity of 15 mdft.
After these results had been determined for Well 10, discussions with the operator of this well confirmed the above analysis. Core studies had indicated that embedment was probably the cause of low fracture conductivity. Therefore, in future completions, the operator plans to design the treatments so that 4 to 6 Ibm/gal of proppant can be carried for a majority of the treatment.
It should be mentioned that the history match for Well 10 was not considered to be unique. In fact, several combinations of permeabilities, fracture lengths, and fracture conductivities were used to match the buildup data. The match presented in this paper is the one considered most reasonable on the basis of all the known data. The reason why the match is not unique is that the flow pattern in the reservoir was essentially radial, because of the low fracture conductivity. We have found that, in general, a unique history match can be obtained only when the dimensionless fracture conductivity is 10 or greater. With high-conductivity fractures, the flow pattern in the reservoir is unique; therefore, the history match is unique.
Conclusions
This paper has presented the theoretical background concerning the analysis of pressure buildup tests in fractured, low-permeability gas wells. The application of the various techniques has been illustrated using field data from 13 gas wells. In general, we have found that by use of all available techniques, including finite-difference history matching, an adequate reservoir description normally can be obtained if both production data and long-term pressure buildup data are available for analysis. A variety of reservoirs were analyzed during this investigation. Most of the wells were located in deep sandstone or limestone reservoirs with in-situ permeabilities less than 50 ltd. Also, most of the wells were completed in a single-layer reservoir. In multilayered reservoirs, the analysis of the drawdown and buildup data can be more complicated than the examples presented in this work.
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The results presented in this paper lead to the following conclusions.
1. Test analysis techniques based on achieving pseudoradial flow (Russell and Truitt) have limited applicability because of the long times required to achieve the proper straight line and because they assume infinite fracture conductivity.
2. The M-C method, based on the assumption of linear flow into the fracture, is limited because it requires an independent estimate of formation permeability and assumes constant flux into the fracture.
3. Type curves that include finite fracture conductivity (Cinco et at., Agarwal et at.) frequently produce non unique well test data interpretations. This problem is diminished, however, if an independent permeability estimate is available.
4. The modified M-C technique appears to be useful because it can provide estimates of fracture length and fracture conductivity using early-time pressure buildup data. This method also requires an independent permeability estimate.
5. Simulator history matching is the most generally applicable analysis technique for determining the formation and fracture properties. 10000 6. By correcting the permeability from the Horner analysis with Fig. 9 in this paper and using the modified M-C technique to calculate fracture length, we have developed a trial-and-error method for hand-calculating in-situ values of permeability, fracture length, and fracture conductivity.
7. A majority of propped fracture lengths in wells analyzed were only about 70070 of the design lengths. Therefore, it may be advisable to overdesign a fracture treatment slightly, especially when the selection of fracture barriers is difficult.
8. Some of the field data indicate that sand transport in deep, hot reservoirs may not have been adequate. In such reservoirs, special care should be taken to assure that the sand does not settle below the pay interval during the treatment. ' Y g = gas gravity (air = 1.0) J1-a = viscosity evaluated at P a , cp J1-i = viscosity evaluated at Pi' cp ¢ = total porosity, fraction ¢g = gas porosity, fraction
